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Abstract	
Geostatistical	 models	 are	 a	 suitable	 way	 to	 represent	 the	 characteristics	 of	

hydrocarbon	reservoirs.	The	main	purpose	of	the	project	is	to	construct	a	geostatistical	

three-dimensional	 model	 of	 an	 oil	 field,	 located	 in	 the	 Caguán-Putumayo	 basin,	

Colombia.	 The	 construction	 was	 accomplished	 by	 using	 Computer	 Modelling	 Group	

(CMG	Ltd.)	software,	considering	stratigraphic,	structural	and	petrophysical	data.	For	a	

better	understanding	of	the	distribution	of	data	in	space,	variograms	were	used.	Also,	

two	petroleum	systems	of	the	oil	field	located	in	the	Villeta	Formation	were	modeled.		

Additionally,	 volumetric	 calculations	 were	 made	 to	 estimate	 a	 total	 of	 13,049,000	

stock	 tank	 barrels	 of	 oil	 in	 place.	 This	 was	 followed	 by	 a	 short-term	 prediction	 for	

cumulative	 oil,	 gas	 and	 water	 production	 from	 2017	 to	 2020,	 by	 using	 pressure-

volume-temperature	 (PVT)	 data	 to	 simulate	 reservoir	 performance.	 Finally,	 an	

uncertainty	analysis	was	 conducted	by	using	a	Monte	Carlo	Simulation	and	methods	

such	 as	 Response	 Surface	 (RS),	Morris	 and	 Sobol.	 The	 analysis	 illustrates	 the	 overall	

uncertainty	 of	 the	 model	 output	 (cumulative	 oil,	 gas	 and	 water)	 as	 a	 result	 of	 the	

uncertainty	in	parameters.	The	parameter	classified	as	the	main	source	of	uncertainty	

to	the	model	is	the	water-oil	contact	depth	for	Sandstone	U	unit	but	other	parameters,	

such	as	 the	net-to-gross	 ratio,	porosity	and	water-oil	 contact	depth	 for	 Sandstone	N	

unit,	also	significantly	affect	the	model.	This	strongly	suggests	that,	in	next	studies	on	

this	particular	oil	field,	priority	should	be	given	to	the	measurement	and	calculation	of	

these	 types	 of	 data,	 to	 construct	 a	 model	 with	 a	 lower	 uncertainty	 and	 higher	

reliability	for	future	estimations.	
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Resumen	
Los	modelos	geostadísticos	son	una	manera	efectiva	de	representar	las	características	

de	reservorios	de	hidrocarburos.	El	proyecto	tiene	como	objetivo	principal	construir	un	

modelo	 geostadístico	 tridimensional	 de	 un	 campo	 petrolero,	 ubicado	 en	 la	 cuenca	

Caguán-Putumayo,	Colombia.	Para	la	construcción	del	modelo,	se	usaron	softwares	de	

Computer	 Modelling	 Group	 (CMG	 Ltd.),	 considerando	 datos	 estructurales,	

estratigráficos	y	petrofísicos.	Además,	para	una	mejor	comprensión	de	la	distribución	

de	 los	 datos	 en	 el	 espacio,	 se	 realizaron	 variogramas.	 Adicionalmente,	 mediante	

cálculos	volumétricos,	se	estimaron	un	total	de	13,049,00	barriles	de	petróleo	in	situ.	

Posteriormente,	se	realizó	una	predicción	a	corto	plazo	de	la	producción	a	acumulada	

de	aceite,	gas	y	agua,	desde	el	2017	hasta	el	2020,	usando	datos	de	presión-volumen-

temperatura	(PVT).	Finalmente,	un	análisis	de	incertidumbre	se	llevó	a	cabo,	mediante	

una	Simulación	de	Monte	Carlo	y	métodos	como	Superficie	de	Respuesta	(RS),	Morris	y	

Sobol.	 En	 el	 análisis	 se	muestra	 la	 incertidumbre	 total	 de	 resultados	 específicos	 del	

modelo	(acumulado	de	producción	de	aceite,	gas	y	agua)	causada	por	incertidumbres	

en	 los	 parámetros	 usados.	 El	 parámetro	 clasificado	 como	 la	 mayor	 fuente	 de	

incertidumbre	 es	 la	 profundidad	 del	 contacto	 agua-aceite	 para	 la	 Arenisca	 U.	 Sin	

embargo,	 otros	 parámetros	 como	 tasa	 de	 net-to-gross,	 porosidad	 y	 profundidad	 del	

contacto	agua-aceite	para	la	Arenisca	N,	también	afectan	el	modelo	significativamente.	

Esto	sugiere	que,	en	próximos	estudios	de	este	campo	petrolero,	se	debe	priorizar	 la	

medición	 y	 cálculo	 de	 estos	 parámetros	 para	 construir	 un	 modelo	 con	 menor	

incertidumbre	y	mayor	confiabilidad	para	futuras	estimaciones.	
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1.	Introduction	
In	 the	 oil	 and	 gas	 industry,	 the	 geostatistical	 models	 are	 undoubtedly	 necessary	 to	

develop	 a	 characterization	 of	 petroleum	 systems.	 These	 geostatistical	 models	 allow	

the	 companies	 to	 understand	 reservoirs	 in	 terms	 of	 the	 spatial	 distribution	 of	

petrophysical	 properties.	 The	 project	 aims	 to	 construct	 a	 geostatistical	 three-

dimensional	model	of	an	oil	field,	located	in	the	Caguán-Putumayo	basin.	It	also	aims	

to	develop	an	uncertainty	analysis,	due	to	the	 lack	of	 field	data	that	can	significantly	

constrain	the	model.	

Geostatistics	 are	 theory	 involving	 several	numerical	 tools	or	 techniques	 that	make	 it	

possible	 to	 solve	 many	 real	 problems	 (Deutsch,	 2002).	 In	 terms	 of	 modeling,	

geostatistics	are	capable	of	creating	geological	three-dimensional	models,	considering	

geophysical,	geological	and	engineering	data	 to	provide	descriptions	of	petrophysical	

properties	 (Deutsch,	 2002).	 This	 includes	 the	 construction	 of	 variograms,	 which	 are	

used	 to	measure	 or	 quantify	 spatial	 variability	 of	 reservoir	 properties	 (Gringarten	&	

Deutsch,	2003).		

In	 order	 to	 construct	 the	 model,	 reservoir	 data	 such	 as	 pressure,	 temperature	 and	

petrophysical	 properties	 are	 considered,	 as	 well	 as	 other	 type	 of	 data	 that	 will	 be	

mentioned	later.	During	this	construction,	uncertainty	exists	because	the	data	cannot	

represent	the	exact	distribution	of	the	reservoir	properties	(Deutsch,	2002).	Hence,	an	

uncertainty	analysis	 is	developed,	allowing	 to	measure	 the	uncertainty	of	 the	 results	

and	the	type	of	data	responsible	for	it.		

In	the	following	text,	I	begin	by	familiarizing	the	reader	with	some	of	the	basic	terms	of	

petroleum	 geology,	 which	 are	 used	 through	 the	 writing	 of	 this	 document.	 This	 is	

followed	by	a	description	of	the	regional	geology	and	stratigraphy	of	the	basin,	as	well	

as	by	a	brief	explanation	of	the	different	software	used	to	construct	and	analyze	the	

model	(Builder,	IMEX,	Results	3D,	Results	Graph	and	CMOST).	Afterwards,	variograms	

are	generated	and	the	three-dimensional	model	is	constructed.	Finally,	to	analyze	the	

results,	an	uncertainty	analysis	is	conducted,	involving	a	Response	Surface	(RS),	Morris	

and	Sobol	methods,	as	well	as	a	Monte	Carlo	Simulation.	
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2.	Conceptual	Framework			
The	 purpose	 of	 this	 section	 is	 to	 define	 some	 of	 the	 basic	 concepts	 of	 petroleum	

geology,	 such	 as	 structural	 and	 stratigraphic	 traps,	 porosity	 (∅),	 permeability	 (k),	
variograms,	 black	 oil,	 uncertainty	 analysis,	 Response	 Surface	 (RS)	 method,	 Morris	

method,	Sobol	method	and	Monte	Carlo	Simulation.	

	 2.1	Traps	

A	 trap	 is	 an	 obstacle	 for	 petroleum	 and	 gas	 when	 trying	 to	 migrate	 towards	 the	

surface,	moving	from	a	high	to	a	low	potential	energy	region	(Allen	&	Allen,	2005).		The	

trap	 prevents	 further	 migration	 of	 hydrocarbons	 mainly	 due	 to	 the	 presence	 of	 an	

impermeable	rock	formation	called	seal,	located	in	the	upper	part	of	the	trap	(in	most	

cases	but	not	always).	This	causes	the	accumulation	of	substances,	which	means	that	it	

is	vital	to	search	for	trap	structures	when	trying	to	find	a	reservoir.	

Traps	 are	 mainly	 classified	 in	 two	 types,	 structural	 and	 stratigraphic	 (figure	 1).	

Structural	 traps	 are	 structures	 formed	 by	 tectonic,	 compactional,	 diapiric	 and	

gravitational	 processes	 (Allen	 &	 Allen,	 2005).	 These	 are	 the	 most	 common	 trap	

structures	 for	 petroleum	 resources,	 in	 which	 the	 anticlinal	 is	 the	 most	 important	

example	(Allen	&	Allen,	2005).		

On	 the	 other	 hand,	 stratigraphic	 traps	 involve	 depositional	 processes	 (reefs,	 pinch-

outs),	 unconformities	 (truncation,	 onlap)	 and	 diagenetic	 processes	 (permafrost,	 gas	

hydrates)	 that	 are	 favorable	 for	 the	 accumulation	 of	 hydrocarbons	 (Allen	 &	 Allen,	

2005).	

	

Figure	1.	Structural	and	stratigraphic	hydrocarbon	traps.	Taken	from	Caldwell	et	al.	(1997).	
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2.2	Porosity	

Porosity	 (∅)	 is	defined	as	the	fraction	of	empty	space	that	has	the	capacity	to	host	a	

given	 volume	 of	 fluid	 (Deutsch,	 2002).	 	 This	 petrophysical	 property	 of	 rocks	 can	 be	

measured	in	percentages	(%)	or	simply	by	fractions.		

For	 a	 reservoir	model,	what	matters	 are	 the	 spatial	 distribution	 of	 porosity	 and	 the	

porosity	that	allows	the	fluid	to	flow	(effective	porosity),	rather	than	the	total	porosity	

that	 includes	 small	 disconnected	 pores	 (Deutsch,	 2002).	 The	 following	 equation	 is	 a	

common	way	to	represent	porosity	(∅),	taken	from	Jahn	et	al.	(2003):	

∅ =

#
$%

− #
'

#
$%

− #
(

	 (1)	

In	the	equation,	#
$%

	stands	for	the	matrix	density,	#
'
	is	for	the	bulk	density	and	#

(
	is	

for	the	fluid	density.	

2.3	Permeability	

Permeability	(K)	is	a	dynamic	property	of	rocks	that	measures	the	capacity	of	a	fluid	to	

flow	 through	 a	 porous	 material	 (Nolen-Hoeksema,	 2014).	 The	 common	 unit	 to	

represent	 it	 is	 the	 milliDarcy	 (mD),	 which	 equals	 approximately	 10
−15
	 m

2

	 (Nolen-

Hoeksema,	 2014).	 In	 addition,	 the	 Darcy	 is	 a	 unit	 of	 area	 referring	 to	 the	 area	 of	

available	 pore	 space	 in	 a	 cross	 section	 that	 is	 normal	 or	 perpendicular	 to	 the	 flow	

direction	(Nolen-Hoeksema,	2014).		

In	oilfield	terms,	permeability	 is	defined	as	the	measure	of	the	ease	of	movement	of	

fluids	through	hydrocarbon	reservoirs;	sometimes	it	is	directly	proportional	to	porosity	

(Nolen-Hoeksema,	2014).	Permeability	 is	mainly	affected	by	pore	geometry,	porosity	

and	 fracture	 density	 (Nolen-Hoeksema,	 2014).	 A	 general	 equation	 to	 calculate	

permeability	(K)	of	a	core	sample,	taken	from	Jahn	et	al.,	(2003),	is	the	following:	

) =

*. ,. -

.. ∆0
	 (2)	

Q	stands	for	the	volumetric	flow	rate	through	the	core	(m
3
/s),	,	is	the	viscosity	of	the	

fluid	flowing	in	the	core,	L	is	the	length	of	the	core	sample,	A	is	the	cross	sectional	area	

and	∆0	represents	the	change	in	pressure.		

2.4	Variogram		

The	 variogram	 is	 a	 method	 to	 measure	 the	 variability	 of	 a	 given	 parameter	 and	 it	

increases	 when	 samples	 are	 less	 correlated	 (Gringarten	 &	 Deutsch,	 2003).	 It	 is	

represented	by	the	following	equation	taken	from	Gringarten	&	Deutsch	(2003):	
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22 ℎ = 4 5 6 − 5(6 + ℎ)
: 	 (3)	

It	 is	 the	mathematical	 expectation	 of	 the	 squared	 difference	 between	 two	 samples	

that	are	a	distance	h	away	from	each	other	(Gringarten	&	Deutsch,	2003)	and	where	Y	
is	a	stationary	random	function,	u	stands	for	the	location	vectors	and	h	is	the	distance	
between	data	values	(Gringarten	&	Deutsch,	2003).	

The	following	figure	shows	the	important	components	of	a	variogram:	

	

Figure	2.	Variogram	showing	the	sill,	lag	distance,	range	and	nugget.	

Figure	2	shows	the	main	components	of	a	variogram,	which	are	the	sill,	nugget,	range	

and	lag	distance.	The	sill	represents	the	line	where	no	correlation	exists	(Gringarten	&	

Deutsch,	2003).	Hence,	data	below	the	sill	is	considered	to	be	correlated,	while	data	on	

the	 sill	 has	 zero	 correlation.	 In	 addition,	 data	 above	 the	 sill	 is	 considered	 to	 have	

negative	correlation	values.	Also,	 the	nugget	corresponds	to	an	error	due	to	random	

variability,	the	range	is	the	value	of	h	at	which	the	difference	between	the	variogram	

curve	and	the	sill	is	negligible	(no	correlation)	and,	finally,	the	lag	distance	refers	to	the	

distance	 h	 between	 every	 two	 data	 points	 at	 which	 the	 variogram	 is	 calculated	

(Gringarten	&	Deutsch,	2003).		

For	a	better	understanding	of	this	 last	term,	consider	an	example	made	by	Shepherd	

(2009).	 He	 suggests	 contemplating	 a	 scenario	 in	 which	 two	 wells	 are	 500	 m	 apart,	

measuring	two	different	porosity	values	that	are	considered	one	pair	of	samples.	This	

500	m	correspond	to	the	lag	distance	(Shepherd,	2009).		

There	 exist	 two	 types	 of	 variograms,	 experimental	 and	 model	 variograms.	 The	

experimental	 variogram	 represents	 the	 raw	 data	 plotted	 as	 lag	 distance	 against	 the	

variogram	 value,	 providing	 a	 representation	 of	 the	 variation	 of	 rock	 properties	with	
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distance	(Shepherd,	2009).	The	raw	data	represented	by	the	experimental	variogram	is	

mathematically	described	or	 fitted	by	a	smooth	curve,	which	 is	 the	model	variogram	

(Shepherd,	2009).		

2.5	Black	oil	

Black	oil	is	a	type	of	reservoir	fluid	with	a	pressure-temperature-volume	(PVT)	behavior	

that	is	explained	by	the	phase	diagram	shown	in	figure	3.	

	

Figure	3.	Black	oil	phase	diagram.	Taken	from	McCain	(1990).	

In	the	phase	diagram	shown	in	figure	3,	the	curves,	also	called	iso-vols	or	quality	lines,	

define	 a	 constant	 liquid	 volume	 (McCain,	 1990).	 In	 addition,	 the	 vertical	 line	 cutting	

the	 iso-vols	 shows	 a	 pressure	 path,	 in	 which	 a	 pressure	 reduction	 at	 constant	

temperature	takes	place	during	production	(McCain,	1990).		

The	 vertical	 line	 in	 figure	 3	 is	 separated	 into	 segments	 that	 indicate	 particular	

characteristics	for	the	black	oil	fluid.	The	segment	from	1	to	2	indicates	that	the	oil	is	

undersaturated,	being	capable	of	dissolving	more	gas	if	there	is	any	(McCain,	1990).	At	

point	 2,	 the	 black	 oil	 is	 saturated	 because	 it	 is	 at	 is	 bubble	 point	 pressure	 (McCain,	

1990).	At	this	pressure,	the	gas	comes	out	of	solution	with	oil	(first	gas	bubble	forms).	

Lastly,	in	the	segment	from	2	to	3,	the	oil	continues	to	be	saturated	(McCain,	1990).	

2.6	Uncertainty	Analysis	
Uncertainty	 is	 an	 estimation	 of	 the	magnitude	 of	 error	 (Mysore,	 2009),	 in	 this	 case	

caused	by	errors	in	the	data	available	and	data	calculated	for	the	construction	of	the	

model.	 In	 order	 to	 assess	 the	 uncertainty	 of	 the	 results	 obtained,	 it	 is	 necessary	 to	
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develop	 an	 uncertainty	 analysis.	 This	 analysis	 is	 a	 method	 used	 to	 determine	 the	

variations	obtained	in	simulation	results	(CMG,	2015a),	due	to	uncertainty	on	specific	

input	data	or	parameters.	This	means	that	it	is	used	to	find	the	uncertainty	of	the	input	

data	 of	 the	 model,	 to	 determine	 how	 it	 produces	 uncertainty	 in	 the	 output	 or	

simulation	results	(Eriksson,	2007).	

2.7	Response	Surface	(RS)	and	Proxy	Model	

The	Response	Surface	(RS)	is	a	method	that	studies	how	the	input	data	or	parameters	

relate	 to	 the	 results	of	 the	model	or	output	 (CMG,	2015a).	 It	 approximates	a	model	

less	 complex	 than	 the	 original,	 using	 a	 specific	 number	 of	 experiments	 to	 create	 a	

proxy	model	(CMG,	2015a).	This	model	uses	mathematical	functions	that	approximate	

the	original	reservoir	model	(CMG,	2015a).	One	of	these	mathematical	functions	is	the	

quadratic	function,	shown	in	equation	4	modified	from	CMG	(2015a).	
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Equation	4	represents	a	quadratic	model	that	estimates	the	model	output	(y),	where	

<
=
	 is	 the	 intercept,	<

>
	 represents	 the	 coefficients	 of	 linear	 terms,	<

>>
	 stands	 for	 the	

coefficients	 of	 quadratic	 terms,	 <
C>
	 represents	 the	 coefficients	 of	 cross	 terms	

(interaction)	and	x	represents	the	input	variables	or	parameters	of	the	original	model.	

	 2.8	Morris	Method	
The	Morris	Method,	also	called	Elementary	Effects	(EE)	Method,	is	used	to	identify	the	

non-influential	from	the	most	influential	inputs	to	the	output	(CMG,	2015a).		

The	method	changes	input	values	one	at	a	time	(or	one	per	run),	according	to	specific	

ranges	established,	maintaining	the	other	inputs	at	their	original	values	(CMG,	2015a).	

Afterwards,	 it	determines	 the	new	output	of	 the	model	with	 respect	 to	 the	changed	

input.	 Finally,	 it	 calculates	 the	 difference	 between	 the	 new	 output	 and	 the	 original	

output	 (with	 respect	 to	 the	 original	 input	 values),	 by	 a	 finite	 difference	 derivative	

approximation	 (CMG,	 2015a).	 This	 process	 is	 repeated	 until	 all	 input	 values	 are	

changed	and	a	two-dimensional	plot	of	standard	deviation	vs.	mean	is	created	(CMG,	

2015a).	 The	 method	 is	 represented	 by	 the	 following	 equation	 taken	 from	 CMG	

(2015a),	in	which	E
C
	represents	the	input	value,	Y	stands	for	the	output	of	the	model	

and	∆	is	the	difference	between	the	original	and	the	changed	input	value:	

44
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(5)	

	 2.9	Sobol	Method	

It	is	a	variance-based	method	that	quantifies	how	much	of	the	variance	of	each	input	
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(E
C
)	contributes	to	the	variance	of	the	output	of	a	model	V(Y)	(CMG,	2015a).		

This	 method	 measures	 two	 effects:	 First-order	 (main)	 effects	 and	 high-order	

(interaction)	effects.	The	first-order	or	main	effects	are	defined	as	the	contribution	of	

the	variance	of	an	individual	 input	to	the	output	variance	(CMG,	2015a),	represented	

by	equation	6	taken	from	CMG	(2015a).	

K
C
=

L 4(5|E
C
)

L(5)
	 (6)	

In	equation	6	 the	contribution	of	 the	 input	variance	 to	 the	variance	of	 the	output	 is	

represented	 by	 the	 term	L 4(5|E
C
) ,normalized	 by	 the	 output	 variance	 V(Y)	 (CMG,	

2015a).	

The	 high-order	 or	 interaction	 effects	 imply	 that	 values	 of	 the	 output	 variance	 are	

associated	 with	 contributions	 of	 specific	 combinations	 of	 the	 model	 inputs	 (CMG,	

2015a).	The	equation	to	estimate	this	effect	varies	depending	on	the	number	of	inputs	

combined.	Equation	7,	modified	from	CMG	(2015a),	represents	the	equation	for	these	

type	 of	 effects,	 which	 is	 quite	 similar	 to	 equation	 6	 but	with	 the	 term	 k.	 This	 term	

refers	to	the	number	of	combined	input	data	that	affect	the	output	variance.	Hence,	if	

there	are	two	inputs	combined	k=ij,	if	there	are	three	then	k=ijk,	and	so	on.	

K
@
=

L 4(5|E
@
)

L(5)
	 (7)	

2.10	Monte	Carlo	Simulation	

Monte	Carlo	Simulation	 is	 the	process	of	generating	 random	variables	with	a	known	

probability	distribution	 to	estimate	 the	uncertainty	using	 specific	 functions	 (Deutsch,	

2002),	considering	the	proxy	model	created	by	the	Response	Surface	(RS)	method.	

The	 simulation	 uses	 the	 cumulative	 distribution	 function	 (cdf)	 and	 the	 probability	

density	function	(pdf)	(see	figure	4).	The	cdf	is	the	probability	that	a	random	variable	Z	

is	 less	or	 equal	 to	 z,	which	 is	 some	output	 value.	 This	 is	 represented	by	equation	8,	

taken	from	Deutsch	(2002),	in	which	F(z)	is	between	0	and	1.		

N O = 0PQR	 S ≤ O 	U 0,1 	 (8)	

The	pdf,	 on	 the	 other	 hand,	 is	 defined	 as	 the	 derivative	 of	 the	 cdf	 as	 it	 is	 shown	 in	

equation	 9,	 taken	 from	 Deutsch	 (2002),	 in	 which	 f(z)	 stands	 for	 the	 pdf	 (greater	 or	

equal	to	zero).	
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X O = N
Y
O = lim

]O→∞

N O + ]O − N(O)

]O
	 (9)	

	
Figure	4.	Monte	Carlo	Simulation	result	for	any	output	on	the	x-axis.	Probability	Density	=	Probability	Density	
Function	(pdf).	Cumulative	Probability=	Cumulative	Distribution	Function	(cdf).	Taken	from	CMG	(2015a).	

3.	Caguán-Putumayo	basin	
After	 understanding	 some	 of	 the	 basic	 terminology,	 it	 is	 important	 to	 mention	 the	

location	of	the	study	area,	as	well	as	to	describe	its	geology	and	stratigraphy.	

3.1	Regional	Geology	

The	Caguán-Putumayo	basin,	located	in	southwestern	Colombia	(figure	5),	is	today	one	

of	the	most	important	oil	regions	in	the	country.	The	basin	is	a	northern	extension	of	

the	Oriente	basin	of	Ecuador	and	consists	of	approximately	104,000	km2	 (Barrero	et	

al.,	2007).	As	 it	 is	shown	in	figure	5,	the	basin	 is	bordered	by	the	fault	system	of	the	

Eastern	 Cordillera	 foothills	 to	 the	 northwest,	 Sierra	 de	 la	 Macarena	 (SM)	 to	 the	

northeast,	Serranía	de	Chiribiquete	(SCH)	to	the	east	and	by	the	Ecuadorian-Peruvian	

international	border	to	the	south.	
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Figure	5.	Location	and	boundaries	of	the	Caguán-Putumayo	basin.	Taken	from	Montenegro	and	Barragán	(2011).	

It	 is	 classified	 as	 a	 foreland	 basin	 and	 can	 be	 divided	 into	 two	 regions:	 Caguán	 and	

Putumayo.	 In	 both	 regions,	 there	 is	 a	 higher	 possibility	 of	 finding	 structural	 traps	

compared	with	 stratigraphic	 traps.	 In	 the	Caguán	 region,	 located	 to	 the	north	of	 the	

basin,	the	structural	traps	are	related	to	thrust	faults	with	little	vertical	displacement,	

which	 affect	 or	 cut	 layers	 from	 the	 Cenozoic,	 Cretaceous	 and	 basement	 formation	

(Vargas,	2009).	On	the	other	hand,	in	the	Putumayo	region,	located	to	the	south	of	the	

basin,	the	structural	traps	are	related	in	general	to	short	and	large-scale	reverse	faults	

that	are	cutting	the	basement	with	a	western	vergence	(Vargas,	2009).	

3.2	Stratigraphy	

The	 stratigraphy	 of	 the	 basin	 consists	 of	 rocks	 from	 the	 Meso-Neoproterozoic,	

Mesozoic	 and	 Cenozoic	 (Vargas,	 2009).	 The	 main	 formations	 are:	 The	 Macizo	 de	

Garzón	 (Meso-Neoproterozoic),	 Saldaña	 Formation	 (Jurassic),	 Caballos	 and	 Villeta	

Formations	(Cretaceous)	and	finally,	the	formations	from	the	Cenozoic	Era,	Rumiyaco,	

Pepino,	Orteguaza	and	the	Orito-Belén	Group	(see	figure	6)	(Vargas,	2009).	In	general,	

these	 formations	 are	 composed	mainly	 by	 sedimentary	 rocks,	with	 the	 exception	 of	

the	Macizo	de	Garzón	that	is	a	crystalline	basement.		
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Figure	6.	Petroleum	System	chart	of	the	Caguán-Putumayo	basin.	Taken	from	Barrero	et	al.	(2007)	

Many	of	these	formations	are	source,	seals	and	even	reservoir	rocks,	such	as	Caballos,	

Villeta,	 Rumiyaco,	 Pepino	 and	 Orteguaza	 formations.	 However,	 for	 this	 project	 the	

most	important	formation	to	describe	is	Villeta	Formation.		

The	 Villeta	 Formation	 is	 a	 sedimentary	 formation	 that	 dates	 from	 Albian	 to	

Maastrichtian	 (Cretaceous),	 discordantly	 underlying	 the	 Rumiyaco	 Formation	 and	

overlying	 Caballos	 Formation	with	 a	 concordant	 contact	 (ANH-UPTC,	 2009).	 It	 has	 a	

thickness	of	approximately	1050-1250	ft.	(ANH-UPTC,	2009)	and	it	is	characterized	by	

having	 source,	 seal	 and	 reservoir	 rocks	 (figure	 6).	 Moreover,	 according	 to	 figure	 6,	

thick	 layers	 of	marine	 shales	 interbedded	with	 sandstones	 and	 limestones	 compose	
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this	formation,	suggesting	a	marine	depositional	environment.		

4.		Petroleum	System	of	the	Caguán-Putumayo	basin		
The	Caguán-Putumayo	basin	is	nowadays	one	of	the	most	important	oil	region	in	the	

country.	 Most	 of	 the	 evidence	 for	 the	 presence	 of	 hydrocarbons	 in	 the	 Caguán-

Putumayo	 basin	 is	 based	 on	 the	 discovery	 of	 giant	 oil	 fields	 in	 the	 Oriente	 basin,	

Ecuador	(Barrero	et	al.,	2007).	Table	1	shows	general	information	about	the	petroleum	

system,	such	as	reserve	estimates	and	petrophysical	properties	of	the	reservoir	rock.	

Table	1.	Reserve	estimates	and	petrophysical	properties	of	the	oil	field.	Taken	from	Barrero	et	al.	(2007)	and	
Vargas	(2009).	MMBO=Million	Barrels	of	Oil.	GCF=Billion	Cubic	Feet.	

Oil	Field	Discoveries	 19	
Discovered	Oil	Reserves	(MMBO)	 365	

Recovered	Gas	Reserves	(GCF)	 305	

Reservoir	Average	Thickness	(ft.)	 50-300	

Porosity	(%)	 10-16	

Permeability	(mD)	 50	

Total	Water	Saturation	-	Sw	(%)	 16-35	

4.1	Trap	

Structural	traps	are	undoubtedly	dominant	in	the	basin,	even	though	there	might	also	

be	 some	 traps	 associated	 with	 the	 stratigraphy,	 such	 as	 pinch-outs	 and	 carbonate	

buildups	 (Barrero	 et	 al.,	 2007).	 The	 majority	 of	 the	 structural	 traps	 found	 are	

associated	with	asymmetric	anticlines	(García	et	al.,	2010).		

4.2	Source	

The	 Villeta	 Formation	 is	 the	main	 source	 rock	 of	 the	 basin.	 The	 source	 rocks	 of	 the	

formation	 are	 limestones	 and	 shales	 with	 a	 kerogen	 type	 II	 and	 an	 average	 Total	

Organic	Carbon	(TOC)	of	0.5-1	%	(Barrero	et	al.,	2007).	These	characteristics	strongly	

indicate	a	fair	hydrocarbon	potential.	

4.3	Migration	

It	 is	 believed	 that	 the	migration	 took	 place	 from	 the	west	 to	 the	 east	 of	 the	 basin,	

through	sandstones	of	the	Villeta	and	Caballos	Formations	(Late	Miocene)	(Barrero	et	

al.,	 2007).	 Vertical/sub-vertical	 migration	 could	 also	 take	 place,	 especially	 along	 the	

fault	zones	of	the	basin	(Barrero	et	al.,	2007).		

4.4	Reservoir	

Even	 though	 the	 Caballos	 Formation	 is	 the	 main	 reservoir	 rock	 of	 the	 basin,	 the	
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sandstones	of	Villeta	Formation	are	also	potential	reservoir	rocks.	The	most	important	

reservoirs	 in	 this	 formation	 are	 located	 in	 the	 sandy	 intervals	 N,	 U	 and	 T	 (figure	 6)	

(Montenegro	&	Barragán,	2011).		

The	 sandy	 intervals	 have	 porosity	 values	 ranging	 between	 17%	 and	 20%	 and	

permeability	values	 from	400	mD	to	800	mD	(Montenegro	&	Barragán,	2011),	which	

are	considered	as	medium	and	high	values,	respectively.		

The	 optimal	 porosity	 values	 for	 a	 reservoir	 are	 between	 0.1	 and	 1,	 while	 optimal	

permeability	values	are	greater	or	equal	to	300.	This	is	shown	in	table	2	modified	from	

Martini	et	al.	(2005).		

Table	2.	Porosity	and	Permeability	ranges.	Modified	from	Martini	et	al.	(2005).	

	

	

	
4.5	Seal	

The	limestones	and	shales	of	the	Villeta	Formation	are	seal	rocks	of	petroleum	systems	

in	the	basin,	as	well	as	shales	of	the	Rumiyaco	and	Orteguaza	Formations	(García	et	al.,	

2010).	

5.	Softwares	
Furthermore,	 it	 is	 important	 to	 describe	 the	 software	 necessary	 to	 construct	 and	

analyze	the	results	of	the	three-dimensional	geostatistical	model.	The	software	made	

by	the	Computer	Modelling	Group	Ltd	(CMG)	are	the	following.	

5.1	Builder	

Builder	 is	 a	 pre-processor	 software	 that	 allows	 the	 creation	 of	 three	 dimensional	

geostatistical	models,	taking	into	consideration	a	wide	variety	of	data,	such	as	grid	and	

petrophysical	 properties,	 well	 locations	 and	 trajectories,	 production	 data	 and	

pressure-volume-temperature	 (PVT)	 data,	 among	 other	 types	 of	 data.	 Builder	 also	

operates	 with	 numerical	 data,	 allowing	 the	 users	 to	 visualize	 it	 as,	 for	 example,	

variograms,	PVT	and	relative	permeability	curves.		

5.2	IMEX	

IMEX	 is	 a	black	oil	 reservoir	 simulator	 that	 receives	 simulation	 input	 files	 created	by	

Builder.	 It	 is	 used	 to	 simulate	 conventional	 black	 oil	 reservoirs	 as	 well	 as	

Porosity	(fraction)	
0.2-1.0	 High	
0.1-0.2	 Medium	
0-0.1	 Low	

Permeability	(mD)	
1500+	 High	

300-1500	 Medium	
0-300	 Low	
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unconventional	oil	and	gas	 reservoirs	 to	obtain	history	matches	and	 forecasts	 (CMG,	

2015b).	 In	order	to	do	that,	 it	 takes	 into	consideration	data	such	as	PVT	and	relative	

permeability	 values	 for	 oil,	 gas	 and	water.	 In	 that	way,	 it	 simulates	 the	 behavior	 or	

mobility	of	these	fluids	in	the	reservoir.		

5.3	Results	3D	

Results	 3D	 is	 a	 software	 that	 allows	 the	 development	 of	 an	 interpretation	 of	 the	

simulation	 grid	 created,	 which	 can	 be	 illustrated	 by	 the	 software	 in	 an	 aerial,	 cross	

sectional,	two	or	three-dimensional	view	(CMG,	2015c).	The	software	is	able	to	display	

properties	 such	 as	 production	 data,	 pressure,	 oil,	 water	 and	 gas	 saturation	 (CMG,	

2015c).	 Also,	 in	 terms	 of	 the	 production	 data,	 the	 software	 simulates	 the	 changes	

through	different	output	times	(CMG,	2015c).	

5.4	Results	Graph	

Results	 Graph	 is	 able	 to	 show	 the	 behavior	 of	 the	 reservoir	 properties	 (production	

data,	pressure,	oil,	water	and	gas	saturation)	in	two-dimensional	plots.		

5.5	CMOST	

CMOST	 is	 as	 an	 application	 working	 together	 with	 the	 simulators	 described	 above,	

developing	 sensitivity	 analyses,	 history	 matches,	 optimizations	 and	 uncertainty	

analysis	(CMG,	2015a).		

6.	Methodology	
	A	 geostatistical	 three-dimensional	model	 is	 defined	 as	 a	 set	 of	 parameters,	 such	 as	

geological	structures,	stratigraphy	and	petrophysical	properties	(porosity,	permeability	

and	residual	saturations),	that	are	spatially	distributed	in	the	model	(Deutsch,	2002).		

Using	Builder,	 I	constructed	a	three-dimensional	geostatistical	model	of	an	oil	field	in	

the	Caguán-Putumayo	basin,	consisting	of	two	petroleum	systems.	The	two	petroleum	

systems	 are	 located	 in	 the	 Villeta	 Formation,	 more	 specifically	 from	 Interval	 N	 to	

Interval	U	of	the	stratigraphic	column	shown	in	figure	6.		

6.1	Data	available	

The	data	available	to	construct	the	static	model	were:		

- Topographic	map	(1)	

- Thickness	maps	(86)	

- Porosity	maps	(86)	

- Porosity	and	permeability	values	from	log	petrophysical	analysis.	
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- Pressure-volume-temperature	(PVT)	data	

- Oil-Water	Contact	(OWC)	

- Relative	permeability	values	

- Wells	(trajectory	and	perforation	data)		

6.2	Three-dimensional	construction	of	the	grid	

For	 the	 construction	 of	 the	 three-dimensional	 grid,	 it	 was	 necessary	 to	 define	 a	

number	 of	 cells	 for	 the	 three	 Cartesian	 coordinates	 i,	 j	 and	 k.	 In	 the	 k	 direction	

(vertical),	 the	 number	 of	 cells	 equals	 the	 number	 of	 geological	 layers	 of	 the	model,	

while	i	and	j	are	horizontal	coordinates.		The	number	of	cells	per	direction	is	defined	in	

table	3.		

Table	3.	Grid	dimensions	

Direction	 Number	of	cells	
i	 92	

j	 210	

k	 86	

	
This	was	defined	according	to	the	dimensions	of	the	oil	field	that	are:	935	ft.	

of	thickness	and	a	surface	of	17.64	km2	(1.9x1010	ft2).	
	

6.3	Variogram	Interpretation	

Prior	 to	 the	 addition	 of	 topography,	 thickness	 and	 porosity	 maps	 to	 the	 model,	 I	

generated	 variograms	 to	 understand	 the	 spatial	 variability	 of	 these	 properties.	

Consequently,	 three	 variograms	 were	 generated	 (one	 per	 property)	 in	 vertical	 and	

horizontal	directions.			

In	all	of	the	following	variograms	(from	figures	7	to	9)	there	are	two	different	types	of	

curves:	the	black	curves,	which	are	the	experimental	variograms,	and	the	blue	curves	

that	correspond	to	the	model	variograms.	Furthermore,	the	type	of	model	variogram	

that	best	fits	all	of	the	experimental	variograms	is	the	spherical	model.	Therefore,	all	of	

the	 following	 model	 variograms	 have	 a	 spherical	 shape.	 The	 software	 uses	 the	

distribution	of	 topography,	 thickness	and	porosity	data	based	on	 the	model	 and	not	

the	experimental	variogram.		

Additionally,	 the	 variograms	 at	 the	 left	 or	 closer	 to	 the	 y-axis	 are	 in	 the	 vertical	

direction,	while	the	ones	at	the	right,	farther	away	from	the	y-axis,	correspond	to	the	

horizontal	 direction.	 This	 distribution	 indicates	 that	 there	 is	 considerably	 higher	
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correlation	 for	 considerably	 higher	 lags	 in	 the	 horizontal	 data	 compared	 with	 the	

vertical	 data.	 This	 is	 called	 geometric	 anisotropy	 and	 it	 is	 justified	 by	Walther’s	 Law	

(Deutsch,	2002).	Hence,	there	is	more	continuity	in	the	horizontal	than	in	the	vertical	

direction,	 given	 the	 fact	 that	 a	 layer	 is	more	 likely	 to	 be	 horizontally	 than	 vertically	

oriented.		

6.3.1	Topography	variogram	

	

Figure	7.	Topography	variogram	in	the	horizontal	(right)	and	vertical	(left)	directions.	Sill	=1385.13	ft.	Nugget	=	8	
ft.	Experimental	variograms	(black	curves)	and	model	variograms	(blue	curves)	are	shown.	

Once	the	topography	variograms	are	generated,	the	experimental	variograms	in	both	

directions	have	to	be	interpreted.	Primarily,	the	cyclic	behavior	present	in	the	vertical	

direction	comes	 from	a	 cyclic	data	variation.	 It	 also	 shows	a	 zonal	anisotropy,	which	

means	that	 it	never	reaches	a	full	variability	of	the	data	(zero	correlation);	 in	simpler	

words,	 it	 never	 reaches	 the	 sill	 (Gringarten	&	Deutsch,	 2003).	 This	 strongly	 suggests	

that	 the	 vertical	 variogram	 cannot	 find	 a	 full	 variability	 of	 the	 data,	 thus,	 shows	 a	

positive	data	correlation	for	 larger	vertical	distances	(Gringarten	&	Deutsch,	2003).	 It	

could	 imply	that	the	topography	of	the	upper	 layer	resembles	the	topography	of	the	

layers	below.	

In	the	horizontal	direction,	the	experimental	variogram	shows	a	trend	at	a	lag	distance	

of	 approximately	 1790	 ft.	 A	 trend	 refers	 to	 a	 behavior	 in	 which	 the	 variogram	

continues	to	increase	above	the	sill,	indicating	negative	data	correlation	(Gringarten	&	

Deutsch,	 2003).	 In	 terms	 of	 topography,	 the	 negative	 correlation	 could	 be	 due	 to	 a	

relatively	abrupt	change	in	height	of	the	surface.		
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6.3.2	Thickness	variogram	
	

	

Figure	8.	Thickness	variogram	in	the	horizontal	(right)	and	vertical	(left)	directions.	Sill=	0.252	ft.	Nugget=	0.056	
ft.	Experimental	variograms	(black	curves)	and	model	variograms	(blue	curves)	are	shown.	

In	this	case,	the	experimental	variograms	in	the	horizontal	and	vertical	directions	show	

cyclicity	and	a	 trend.	The	trend	 in	 the	vertical	direction	 (at	 lag	distances	of	~	100	 ft.	

and	360	ft.)	indicates	that	the	data	at	the	base	is	negatively	correlated	with	the	data	at	

the	top,	which	may	suggests	a	fining	or	coarsening	upward	of	the	layers	(Gringarten	&	

Deutsch,	 2003).	 On	 the	 other	 hand,	 the	 trend	 in	 the	 horizontal	 direction,	 at	 lag	

distances	of	1427	and	2141	ft,	suggests	a	negatively	correlation	with	 large	horizontal	

distances,	which	could	signify	a	horizontal	coarsening	or	fining	of	a	layer.	

6.3.3	Porosity	variogram	

Finally,	the	variogram	for	the	porosity	data	is	generated.	A	trend	in	both	experimental	

variograms	can	also	be	seen,	but	it	is	considerably	larger	in	the	vertical	direction	(at	lag	

distances	of	~200	and	~400	ft).	Hence,	the	trend	is	indicating	a	negative	correlation	of	

porosity	 in	this	direction	(from	base	to	top)	(Gringarten	&	Deutsch,	2003).	A	possible	

explanation	for	this,	 is	that	if	there	are	horizontal	 layers	in	contact	in	the	model	with	

quite	 different	 porosity	 values,	 considering	 a	 vertical	 direction,	 these	 values	 will	

abruptly	change.		
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Figure	9.	Porosity	variogram	in	the	horizontal	(right)	and	vertical	(left)	directions.	Sill=	3.092	ft.	Nugget=	0	ft.	
Experimental	variograms	(black	curves)	and	model	variograms	(blue	curves)	are	shown.	

	
6.4	Structural	Modeling		

After	 interpreting	 the	behavior	of	 topography,	 thickness	 and	porosity	maps	by	using	

variograms,	the	two	first	properties	were	added	to	model	the	main	structures	of	the	

field.	Due	to	this	information,	it	was	possible	to	establish	that	the	approximate	depth	

and	thickness	of	the	model	are	9365	ft	and	935	ft,	respectively	(figure	10).	

Also,	the	model	was	divided	into	6	geological	units	based	on	a	stratigraphic	column	of	

the	 field,	 very	 similar	 to	 the	 one	 shown	 in	 figure	 6,	 corresponding	 to	 the	 Villeta	

Formation.	As	it	is	possible	to	see	in	Table	4,	a	range	of	layers	was	assigned	to	each	of	

the	geological	units,	in	which	the	reservoir	units	were	established	to	be	in	Sandstone	N	

and	U.	
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Figure	10.	Cross-sectional	view	(i	vs	k)	of	the	depth	variation	of	the	petroleum	
system.	The	thicker	layers	correspond	to	shale	units,	while	the	thinner	layers	

correspond	mainly	to	sandstone	units.	

	

			Feet

	

.	

Table	4.	Geological	units	of	the	model.	The	Villeta	Formation.	

From	
Layer	

To	Layer	 Unit	Name	 Depth	range	(ft)	

1	 39	 Sandstone	N	 9365-9445	

40	 40	 Shale	1	 9445-10010	

41	 44	 Limestone	 10010-10020	

45	 45	 Shale	2	 10020-10047	

46	 85	 Sandstone	U	 10047-10120	

86	 86	 Shale	3	 10120-10300	

	

6.5	Petrophysical	properties	
Apart	 from	 the	 structural	 modeling,	 to	 capture	 the	 behavior	 of	 the	 reservoir	 the	

petrophysical	 properties	 are	 important.	 These	 properties,	 porosity	 and	 permeability,	

allow	to	evaluate	the	capacity	of	reservoir	to	store	fluid	and	to	let	 it	flow	through	its	

rock	body.	

6.5.1	Porosity	Maps	
While	evaluating	the	porosity	of	the	reservoir,	it	was	important	to	include	the	86	maps	

available	 (one	per	 layer).	 Figure	 11	 shows	 a	 cross-sectional	 view	 (i	 vs.	 k)	 of	 porosity	

data	that	was	obtained	by	electric	logs.	The	porosity	is	not	constant	for	a	whole	layer;	
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in	 fact,	 it	 changes	 from	 cell	 to	 cell	 of	 the	 grid.	 These	 values	 vary	 from	 0	 to	 0.18	 in	

fraction	units	and	the	three	major	shales	of	the	model	have	the	lowest	porosity	(blue	

regions),	while	the	reservoir	units	(Sandstones	N	and	U)	have	the	highest	one.	

	
Figure	11.	Porosity	obtained	by	electric	logs.	Cross-sectional	view	(i	Vs.	k)	

	

	

Fraction	

	

	

Shales	 are	 high	 porosity	 rocks	 with	 low	 permeability;	 thus,	 the	 porosity	 in	 shales	

(figure	11)	is	zero	because	maps	are	not	showing	the	total	but	the	effective	porosity.	

Hence,	 they	 are	 rocks	 with	 relatively	 high	 total	 porosity	 and	 zero	 effective	 porosity	

(low	interconnectivity	of	pores).	Therefore,	in	the	next	sections	I	use	the	word	porosity	

actually	referring	to	effective	porosity.		

6.5.2	Calculating	Permeability		
To	characterize	a	reservoir,	it	is	vital	to	calculate	the	permeability.	For	this	calculation,	

experimental	equations,	such	as	equation	2	(section	2.3),	were	not	possible	to	use	due	

to	 the	 lack	 of	 data.	 Consequently,	 I	 used	 the	 porosity	 and	 permeability	 values	 as	 a	

function	of	depth	from	log	petrophysical	analysis.		

I	divided	these	data	into	depth	ranges	according	to	the	depth	of	each	geological	unit,	

defining	 the	 three	 units	 of	 shales	 as	 one.	 Consequently,	 I	 created	 four	 porosity	 vs.	

permeability	 cross	 plots	 finding	 a	 tendency	 line	 (figures	 12	 to	 15).	 In	 addition,	 the	

equations	that	mathematically	described	the	tendency	lines	generated	per	plots	were	

obtained	(equations	10	to	13).	 	By	adding	these	equations	to	the	software	Builder,	 it	

calculated	permeability	values	from	the	porosity	values	per	cell	already	added.	

Builder	requires	a	definition	for	the	permeability	in	the	i,	k	and	j	directions.	Thus,	the	

permeability	obtained	was	considered	to	be	the	same	in	all	directions	(isotropic).	Even	

though,	 an	 isotropic	 permeability	 is	 not	 common	 in	 a	 formation,	 it	 is	 an	 acceptable	

approximation	for	further	calculations.		
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Figure	12.	K	Vs.	�	for	Sandstone	N	

	
																						Figure	13.	K	Vs.	�	for	Limestone	

						 	

	
Figure	14.	K	Vs.	�	for	Sandstone	U	

	

	
																													Figure	15.	K	Vs.	�	for	Shale	

	

	

Sandstone	N	 K	=	25186∅2
	-	924.33∅+	1.4428					polynomial	

	

	

(10)	

Limestone	 K	=	1.2407e37.138∅ 			exponential		

	
		

	

(11)	

Sandstone	U	 K	=	0.2003e61.512∅    exponential	

			

	

(12)	

Shale	 K	=	1191.2∅2
	-	1.1344∅	+	0.0396			polynomial	
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6.5.3	Relative	Permeability	Data:	Corey's	permeability	model	
The	relative	permeability,	according	to	Raymond	and	Leffler	(2006),	is	the	“relationship	

of	the	permeability	of	a	fluid	in	the	presence	of	another	fluid	as	compared	to	the	first	

fluid’s	permeability”	(p.160).	This	 implies	that,	considering	an	oil-water	system,	when	

water	 saturation	 is	higher	 than	oil	 saturation,	 the	water	 flows	 faster	 in	 the	 reservoir	

and	vice	versa	(Raymond	&	Leffler,	2006).	

For	the	model,	a	gas-oil-water	system	was	established.	In	the	system	there	is	no	free	

gas	(no	gas	cap)	since	it	is	dissolved	in	oil.	The	relative	permeability	is	estimated	for	gas	

in	a	free	phase	and	not	for	dissolved	gas.	Therefore,	even	though	the	software	requires	

an	estimation	of	 the	 relative	permeability	 for	 gas,	 this	 calculation	will	 not	 affect	 the	

model.	 Hence,	 focusing	 only	 on	 oil	 and	 water,	 there	 were	 some	maximum	 relative	

permeability	values	available	for	these	fluids,	as	well	as	values	for	the	irreducible	water	

and	residual	oil	saturation.		

The	Corey’s	 relative	permeability	model	estimates	 relative	permeability	values	based	

on	the	saturation	and	maximum	relative	permeability	values	mentioned	above.	These	

maximum	 values	 are	 the	 endpoints	 of	 the	 relative	 permeability	 curves	 of	 a	 typical	

reservoir	(figure	16).	Therefore,	this	information	allowed	the	software	to	generate	the	

curves	presented	in	figure	16	by	using	the	Corey’s	relative	permeability	model.	In	order	

to	 do	 that	 it	 was	 necessary	 to	 use	 the	 Corey’s	 correlation	 equations,	 which	 are	

equations	14	and	15	taken	from	Ezekwe	(2011).		

	

Figure	16.	Relative	permeability	curves	in	a	typical	reservoir.	Modified	from	Georgi	et	al.	(2008)	
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The	 terms	used	 in	equations	14	and	15	and	 in	 figure	16	are	 relative	permeability	of	

water	 (a
bc

),	 relative	 permeability	 of	 water	 at	 residual	 oil	 saturation	 (a
bc@efgh

),	

relative	 permeability	 of	 oil	 (a
bic

),	 relative	 permeability	 of	 oil	 at	 irreducible	 water	

saturation	 (a
bic@e

hk

),	 water	 saturation	 (K
c
),	 irreducible	 water	 saturation	 (K

cC
)	 and	

Corey	exponent	(N).	The	 last	term	is	a	parameter	that	gives	the	relative	permeability	

curves	 a	 power	 law	distribution	 shape	 (figure	 15),	 to	 subsequently	 add	 them	 to	 the	

software.		

The	values	for	the	Corey	exponent	(N)	range	from	2	to	4	depending	on	the	wettability	

(Ezekwe,	 2011),	which	 is	 the	preference	of	 a	 solid	 to	be	 in	 contact	with	 a	particular	

fluid	(Abdallah	et	al.,	2007).	The	higher	value	is	assigned	to	the	wetting	phase	and	the	

lower	 value	 to	 the	 non-wetting	 phase	 (Ezekwe,	 2011).	 In	 this	 case	 and	 in	 most	

reservoirs,	the	wetting	phase	is	water	and	the	non-wetting	phase	is	oil.	

6.6	Net-to-gross	ratio	
The	 net-to-gross	 ratio	 is	 the	 ratio	 of	 the	 net	 pay	 thickness	 to	 the	 total	 reservoir	

thickness	 (Bouffin,	 2007).	 Table	 5,	 taken	 from	 Martini	 et	 al.	 (2005),	 shows	 ranges	

specifying	high,	medium	and	low	net-to-gross	ratio	values.	

Table	5.	Net-to-gross	ratio	ranges.	Taken	from	Martini	et	al.	(2005).	

Net	to	gross	ratio	
0.6-1	 High	
0.3-0.6	 Medium	
0-0.3	 Low	

	

It	 is	 necessary	 to	 calculate	 the	 net	 pay	 and	 to	 estimate	 the	 total	 thickness	 of	 the	

reservoir.	 The	net	pay	 is	defined	as	 an	effective	 thickness	 (in	metric	units)	or	 as	 the	

portion	of	a	reservoir	with	a	significantly	high	storability	(Bouffin,	2007).		

According	to	Bouffin	(2007),	one	is	able	to	estimate	the	net	pay	by	establishing	cut-off	

values.	 Therefore,	 cut-off	 of	 values	 from	 semi-logarithmic	 porosity	 vs.	 permeability	

cross	plots	were	identified	for	the	two	reservoir	units.	These	values	are	the	x	intercepts	

in	figures	17	and	18,	corresponding	to	porosity	values.		

For	sandstone	N	the	porosity	cut-off	value	is	0.0081,	while	for	sandstone	U	the	cut-off	

value	is	0.016.	Subsequently,	the	net	pay	and	net-to-gross	ratio	are	calculated	only	for	

values	greater	than	the	cut-off	values.	In	the	cells	with	porosity	values	greater	than	the	

cut-off	values,	the	storage	capacity	was	determined	using	the	following	equation	taken	

from	Engler	(2011),	where	h	stands	for	the	thickness	of	the	layer	and	for	l	porosity:	

Storage	capacity	=	lℎ	 (16)	
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In	this	equation,	the	storage	capacity	equals	the	net	pay.	Additionally,	the	net-to-gross	

ratio	was	estimated	according	 to	 its	definition	using	equation	17,	 in	which	lℎ	 is	 the	

net	pay	and	ℎ
m
	is	the	gross	or	total	reservoir	thickness.	

nop	pQ	qPQrr	P<psQ = 	

lℎ

ℎ
m

	
(17)	

	

	
Figure	17.	Porosity	cut-off	value.	Sandstone	N	unit.	

	

	

	
Figure	18.		Porosity	cut-off	value.	Sandstone	U	unit.	

	

6.8	PVT	Data	
PVT	data	such	as	temperature	(F),	bubble	point	pressure	(psi),	oil	gravity	(API)	and	gas	

gravity	(Air=1)	were	defined	for	both	reservoir	units	(Sandstones	N	and	U).	In	order	to	

do	 that,	 the	 model	 was	 divided	 into	 two	 PVT	 regions.	 In	 that	 way	 the	 software	

recognized	two	different	reservoirs.		

6.9	Initial	Conditions		
Initial	 conditions	 are	 vital	 to	 perform	 a	 gravity-capillary	 equilibrium	 of	 the	 reservoir	

(figure	 19).	 This	 state	 of	 equilibrium	 can	 be	 defined	 as	 the	 separation	 of	 fluids	

according	 to	 their	 differences	 in	 density	 and	 due	 to	 the	 capillary	 forces	 (Dandekar,	

2013).		

	

Figure	19.	Reservoir	in	a	gravity-capillary	equilibrium	state.	Taken	from	Dandekar	(2013).	

Assuming	 the	 reservoirs	 already	 reached	 the	 gravity-capillary	 equilibrium	 state,	 I	

defined	 a	 value	 for	 the	 depth	 of	 the	 water-oil	 contact	 (WOC)	 for	 each	 one	 of	 the	

sandstone	 units.	 For	 Sandstone	N	 unit	 the	WOC	 is	 at	 a	 depth	 of	 9380	 ft.,	 while	 for	
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Sandstone	 U	 the	 WOC	 is	 at	 10090	 ft.	 In	 addition,	 there	 is	 no	 value	 for	 the	 gas-oil	

contact	because	the	gas	is	dissolved	in	oil.		

6.10	Wells		
Finally,	trajectory,	perforation	and	production	history	data	from	6	wells	were	added	to	

the	model.	The	6	wells	perforate	the	units	of	 the	model	vertically,	producing	oil,	gas	

and	water	 in	 both	 reservoirs.	 The	distribution	of	 the	wells	 in	 the	model	 is	 shown	 in	

figure	20.	

	

	
Figure	20.	Distribution	of	the	6	vertical	wells	in	the	model.	Well	1	
and	2	are	located	at	the	southern	part	of	the	model	while	wells	3,	
4,	5	and	6	are	located	at	the	middle.	Wells	3	and	4	are	very	close	

which	causes	their	labels	to	overlap.	
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6.11	Extracting	a	Sub-model	
Lastly,	there	are	large	regions	to	the	north	and	south	of	the	model	that	the	wells	are	

not	covering	(figure	20).	This	increases	uncertainty,	as	the	data	closer	to	the	wells	are	

more	 accurate	 than	 the	 data	 farther	 from	 them.	 To	 decrease	 the	 uncertainty,	 I	

established	which	fraction	of	the	model	could	be	ignored	by	considering	the	change	in	

pressure	 during	 production.	 This	 action	 decreases	 future	 uncertainties	 in	 the	

characterization	 of	 the	 model	 and	 speeds	 up	 the	 software	 because	 there	 are	

considerably	fewer	cells	to	consider.		

During	production,	 reservoir	pressure	decreases	as	 fluid	 is	 removed	 from	 it	 (McCain,	

1990).	Therefore,	I	used	the	following	equation	to	observe	the	change	in	pressure	and	

to	determine	the	regions	that	were	less	affected	by	it.		

∆0 = 0
CtCuC%v

−	0
wxtyzbitC{|	

		 	(18)	

	

In	 equation	 18,	 the	 term	 0
CtCuC%v

	 stands	 for	 the	 initial	 reservoir	 pressure	 and	

0
wxtyzbitC{|	

	is	 the	pressure	 in	the	reservoir	as	 fluids	are	being	extracted.	Hence,	this	
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last	pressure	changes	by	date,	according	to	the	production	history	dates.	The	result	of	

this	equation	is	 illustrated	in	figure	21.	It	shows	the	change	in	pressure	in	layer	36	of	

Sandstone	 N	 unit,	 in	 which	 wells	 1,	 3	 and	 6	 are	 producing.	 This	 layer	 was	 chosen	

because	it	best	 illustrates	the	change	in	pressure,	but	this	particular	pressure	change	

distribution	takes	place	in	all	the	producing	layers	of	the	model.		

The	regions	that	are	less	affected	by	the	change	in	pressure	are	the	ones	farther	away	

from	the	wells.	These	regions	are	located	to	the	north	and	south	of	the	model;	hence,	

these	parts	were	cut	to	create	a	sub-model.		

Once	the	sub-model	was	extracted	from	the	original	model,	there	was	less	volume	in	

the	 reservoirs.	 Therefore,	 less	 total	 oil	 in	 place	 than	 in	 the	 original	model	would	 be	

estimated.	Considering	that	this	modifies	the	reservoir	characteristics,	I	 increased	the	

volume	of	the	sub-model	to	maintain	the	same	total	oil	in	place	as	the	whole	model.			

	
Figure	21.	Change	in	pressure	during	production	in	wells	1,3	

and	6.	Layer	36	of	Sandstone	N	unit.	
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										(psi)	

	

			 	

7.	Results	and	Analysis	
The	final	three-dimensional	model	made	in	Builder	covers	an	area	of	11.96	km

2
	in	the	

Caguán-Putumayo	basin.		It	represents	the	Villeta	Formation	from	the	Interval	N	to	the	

Interval	U	(see	figure	6),	which	 I	called	Sandstones	N	and	U	 in	the	model.	Figures	22	

and	23	 show	 the	dimensions	of	 the	model	and	a	 cross-sectional	 view	of	 the	units	 in	

terms	of	thickness	per	layer.	
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Figure	22.	Dimensions	of	the	model.	Aerial	View.	

	

	

		Depth	

					(Ft.)	

	

	

	

					 	
Figure	23.	Geological	units.	Cross-sectional	View	(j	vs.	k).	

									

				

Thickness	

						(Ft.)	

	

	

The	model	is	mainly	dominated	by	an	asymmetric	anticline	that	is	more	pronounced	in	

Sandstone	U	than	in	Sandstone	N	unit.	This	type	of	structure	is	certainly	defining	the	

hydrocarbon	 traps	present	 in	 the	area.	 Figure	24	 shows	 the	general	 structure	of	 the	
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petroleum	 system	 by	 the	 software	 Results	 3D.	 It	 only	 focuses	 on	 the	 two	 reservoir	

units,	explaining	why	in	figure	24	there	are	only	two	separated	units,	Sandstone	N	and	

U.		

	
	
	
	

	
Figure	24.	Asymmetric	anticline.		3D	View.	Scale	shows	thickness	variation	in	feet.	Results	3D	
Software.	

	

						Thickness			

			(Ft.)	

	

Figure	24.		Asymmetric	anticline.		3D	View.	Scale	shows	thickness	variation	in	feet.	Results	3D	Software.	

Additionally,	it	is	essential	to	highlight	that,	even	if	all	the	previous	figures	with	a	cross	

section	view	have	the	axes	specified	(e.g.	i	vs.	k,	j	vs.	k),	I	will	illustrate	the	cross	section	

cut	 based	 on	 figure	 24	 to	 prevent	 further	 confusions	 of	 the	 reader	 regarding	 the	

direction	of	the	cross	sections.	Therefore,	the	cross	section	figures	that	will	be	shown	

below	are	based	on	the	cut	plane	of	figure	25.	

	

Figure	25.	Cross	sections	plane.	Results	3D.	
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7.1	Permeability	
The	results	obtained	from	the	estimation	of	permeability	in	figures	26	and	27,	indicate	

very	 low	 (~0.72	mD)	 or	 zero	 permeability	 values	 for	 shales	 and	medium	 values	 for	

sandstones	(~350	mD).		

	
Figure	26.	Permeability	distribution.	Cross-sectional	view	(i	Vs.	k).	

	

	

	
Figure	27.	Permeability	distribution	in	the	two	reservoir	units.	3D	View.	Results	3D	Software.	
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Figure	27.	Permeability	distribution	in	the	two	reservoir	units.	3D	View.	Results	3D	Software.	

	

	

				mD	
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7.2	Net-to-gross	ratio	
The	 net	 to	 gross	 ratio	 in	 the	 two	 reservoirs	 varies	 from	0	 to	 0.49,	 as	 one	 is	 able	 to	

observe	in	the	color	scale	of	figures	28	and	29.	The	higher	net-to-gross	ratio	values	are	

in	 the	 lower	 layers	 of	 Sandstone	 N,	 suggesting	 higher	 oil	 potential.	 In	 addition,	

according	 to	 Martini	 et	 al.	 (2005)	 the	 net	 to	 gross	 ratio	 values	 for	 this	 petroleum	

system	are	considered	to	be	from	low	to	medium	(see	table	9).	

	
Figure	28.	Net	to	gross	ratio	in	the	two	reservoirs.	Cross-sectional	view	(i	Vs.	k).	

	

Fraction	

	

	

	

	

	
Figure	29.	Net	to	gross	ratio	in	the	two	reservoirs.	3D	View.	Results	3D	Software.	

	

Fraction	

	
Figure	29.	Net	to	gross	ratio	in	the	two	reservoirs.	3D	View.	Results	3D	Software.	
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7.3	Petroleum	Systems		

	

Figure	30.	Petroleum	events	chart	of	Caguán-Putumayo	basin.	Taken	from	Montenegro	&	Barragán	(2011).	

In	this	section,	two	petroleum	systems	are	described	according	to	the	reservoir	units:	

Sandstone	N	and	Sandstone	U.	The	description	includes	the	composition	of	each	unit,	

trapping	system	and	migration.		

This	 interpretation	 is	 based	 on	 the	 source,	 seal	 and	 reservoir	 rocks	 defined	 in	 the	

stratigraphic	column	taken	from	Barrero	et	al.	(2007)	(figure	6)	and	on	the	petroleum	

events	chart	taken	from	Montenegro	and	Barragán	(2011)	(figure	30).	Also,	there	was	

no	seismic	data	available	for	the	project;	consequently,	it	is	not	appropriate	to	discard	

the	presence	of	faults	and	the	fact	that	they	could	be	related	to	some	of	the	traps.	

	 	 7.3.1	Sandstone	N	Petroleum	System	
First	of	all,	Sandstone	N	 is	 the	upper	geological	unit	 (approximately	80	 ft.	 thick)	 that	

has	a	porosity,	permeability	and	net	to	gross	ratio	ranging	between	the	values	shown	

in	table	6.	

Table	6.	Range	of	porosity,	permeability	and	net	to	gross	ratio	values	for	Sandstone	N.	

Porosity	(fraction)	 0-0.17	

Permeability	(mD)	 0-514	

Net	to	gross	ratio	(fraction)	 0-0.49	

	

Based	 on	 the	wide	 ranges	 of	 the	 values	 in	 table	 6,	 the	 composition	within	 the	 unit	

must	vary.	Therefore,	the	layers	with	the	highest	net-to-gross	ratio	values	are	assumed	

to	be	sandstones,	while	the	layers	with	the	lowest	values	are	considered	shales.	There	

might	be	limestone	layers	interbedded	with	shales,	due	to	the	fact	that	this	sequence	

(shale-limestone-shale)	tends	to	repeat	through	most	of	the	Villeta	Formation	(figure	

6).	This	hypothesis	is	illustrated	in	figure	31.	
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7.3.1.1	Trapping	system:	Source,	Reservoir	and	Seal		
Sandstone	N	petroleum	system	has	a	trap	that	formed	during	the	Cenozoic	(figure	30).	

The	trapping	system	is	made	of	a	source,	reservoir	and	seal	rock	that	is	shown	in	figure	

31,	which	formed	during	the	Mesozoic	(Cretaceous).		

	
Figure	31.	Structural	trap	located	in	Sandstone	N	unit.		Net	to	gross	ratio	per	layer.	
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Figure	31	shows	the	trap	components,	in	which	it	is	possible	to	notice	the	presence	of	

several	 layers	 of	 sandstones	 that	 are	 reservoirs.	 This	 implies	 the	 existence	 of	

impermeable	 units,	 allowing	 separated	 reservoirs	 to	 be	 formed.	 Biddle	 and	

Wielchowsky	 (1994)	 consider	 this	 type	 of	 structure	 as	 one	 trap	 instead	 of	 multiple	

traps.	Hence,	the	reservoir	rocks	are	interbedded	with	shales	and	limestones	acting	as	

multiple	internal	seals.	

The	trap	observed	in	figure	31	is	a	combination	of	a	structural	and	stratigraphic	trap.	It	

is	 a	 structural	 trap	 because	 it	 is	 possible	 to	 observe	 the	 general	 structure	 of	 an	

asymmetric	anticline.	On	the	other	hand,	this	 figure	also	shows	that	the	net-to-gross	

ratio	values	change	abruptly	within	the	same	layer,	suggesting	a	lateral	change	in	rock	

composition.	This	is	explained	by	the	presence	of	pinch-outs	in	the	oil	field	(see	figure	

1).	In	other	words,	there	are	sandstone	layers	that	must	be	pinching	out,	being	able	to	

be	laterally	in	contact	with	impermeable	layers	of	shales	and	limestones.		

7.3.1.2	Migration		
Once	the	trapping	system	is	described,	a	brief	interpretation	about	the	migration	will	

be	made,	that	based	on	figure	30,	took	place	during	Neogene	in	both	of	the	reservoirs.		

Before	developing	any	hypotheses	about	the	migration	in	the	petroleum	system,	it	 is	

important	 to	 mention	 that	 the	 information	 available	 does	 not	 allow	 a	 detailed	

interpretation	 and	 determination	 of	 migration	 pathways.	 To	 develop	 a	 detailed	

interpretation,	it	would	be	necessary	to	have	information	about	the	fluid	pressure	and	
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faults	in	the	field,	among	other	types	of	data.	Therefore,	the	hypotheses	are	based	on	

the	position	of	the	layers,	trapping	system,	petrophysical	properties	already	calculated	

and	the	rock	classification	previously	made	(source,	seal	and	reservoir	rocks).		

First	 of	 all,	 there	 are	 two	 types	 of	 migration:	 primary	 and	 secondary.	 According	 to	

Verweij	 (1993),	 the	 primary	migration	 refers	 to	 the	 expulsion	 of	 hydrocarbons	 from	

fine-grained	 source	 rocks	 to	more	 permeable	 rocks	 (reservoirs).	 On	 the	 other	 hand,	

secondary	migration	 represents	 the	movement	 of	 hydrocarbons	 after	 the	 expulsion	

from	 source	 rocks	 through	 faults	 or	 reservoir	 rocks,	 until	 they	 encounter	 a	 trap	

structure	to	accumulate	(Verweij,	1993).	Figure	32	shows	a	general	example	of	primary	

migration	pathways	in	a	trap	very	similar	to	the	traps	in	both	Sandstone	N	and	U	units.	

	

Figure	32.	Migration	pathways	in	an	anticline	trap.	Taken	from	Hunt	(1995).	

In	order	to	describe	the	primary	migration	in	this	system,	one	should	consider	that	the	

possible	source	rock	is	a	shale,	which	is	fine-grained	and	has	a	low	permeability,	very	

close	to	zero	in	this	case	(see	figure	26).	Therefore,	during	burial	there	is	an	increasing	

compaction	that	causes	the	pore	space	to	decrease,	thus	the	fluids	in	the	source	rock	

become	overpressured	(Luthi,	2009).	This	leads	to	a	fluid	migration	from	a	higher	to	a	

lower	 fluid	 pressured	 medium	 (Luthi,	 2009).	 In	 this	 case,	 it	 is	 reasonable	 to	 infer	

upward	 migration	 pathways	 because	 the	 possible	 source	 rock	 is	 located	 below	 the	

reservoir	rock.		

On	the	other	hand,	the	secondary	migration	should	give	a	possible	explanation	for	the	

presence	of	several	reservoir	rocks	and	multiple	seals,	even	though,	they	do	not	seem	

to	 be	 very	 effective	 as	 sealing	 rocks.	 This	 is	 because	 there	 are	 thin	 reservoir	 rocks	

significantly	close	to	each	other,	suggesting	a	possible	sub-vertical	secondary	migration	

through	faults	(leaking).	Lateral	movement	of	hydrocarbons	through	the	reservoir	rock	

could	 also	 take	 place	 in	 the	 system.	 Figure	 33	 shows	 a	 seismic	 line	 of	 a	 petroleum	

system	located	in	Eastern	Baghdad,	Iraq,	in	which	the	secondary	migration	took	place	

through	faults.		

Figure	33	also	shows	a	tertiary	migration	that	has	not	been	mentioned.	It	refers	to	any	

movement	of	the	hydrocarbons	after	their	accumulation	in	a	trap	(Verweij,	1993).	The	

tertiary	migration	is	usually	associated	with	seepages	or	escape	of	hydrocarbons	to	the	

surface.	Even	 though,	according	 to	Montenegro	&	Barragán	 (2011),	 there	have	been	
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hydrocarbon	seepages	in	the	basin,	in	this	specific	field	there	are	no	reports	indicating	

the	presence	of	this	type	of	migration.			

	

Figure	33.	Secondary	migration	pathways	through	faults	and	reservoir	rocks.	Khasib	and	Tannuma	oil	reservoirs	
in	eastern	Baghdad,	Iraq.	Taken	from	Al-Ameri	&	Al-	Obaydi	(2011).	

7.3.2	Sandstone	U	Petroleum	System	
Sandstone	U,	with	a	thickness	of	approximately	75	ft.,	has	fewer	variations	in	porosity,	

permeability	 and	 net	 to	 gross	 values,	 compared	 with	 the	 Sandstone	 N	 petroleum	

system.	 This	 suggests	 that	 its	 composition	 varies	 less	 than	 the	 composition	 of	

Sandstone	 N	 unit.	 Hence,	 its	 composition	 is	 mostly	 sandstone	 (homogenous	

composition)	(see	figure	34).	

Table	7.	Range	of	porosity,	permeability	and	net	to	gross	ratio	values	for	Sandstone	N.	

Porosity	(fraction)	 0.10-0.18	

Permeability	(mD)	 300-500	

Net	to	gross	ratio	(fraction)	 0.25-0.41	

	
7.3.2.2	Trapping	System:	Source,	Reservoir	and	Seal	

Figure	34	shows	the	trap	structure	classified	as	an	asymmetric	anticline.	In	this	figure,	

the	seal,	source	and	reservoir	rocks	are	indicated.	In	the	trap	system,	the	upper	source	

rock	is	also	a	seal	retaining	the	hydrocarbons	stored	in	the	reservoir.	A	similar	situation	

was	shown	in	Figure	32.	

In	 the	 petroleum	 system	 there	 is	 a	 sandstone	 layer	 (reservoir)	 between	 two	 shales	

(source	rocks	and	seal).	Figure	6	indicates	that	the	limestone	layer	shown	in	figure	34	is	

not	source	or	seal;	therefore,	in	this	system	the	most	important	rocks	to	consider	are	

the	shales	and	sandstone	layers.		
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Figure	34.	Structural	trap	located	in	Sandstone	U	unit.		Net	to	gross	ratio.	
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	 	 	 7.3.2.2	Migration		
Considering	 the	 theory	 presented	 in	 section	 7.2.1.2	 (migration	 in	 Sandstone	 N),	 the	

primary	migration	 in	this	case	could	have	been	 in	an	upward	(from	the	 lower	source	

rock)	and	also	in	a	downward	direction	(from	the	upper	source	rock).	Once	again,	this	

is	well	illustrated	in	figure	32.		

	

Figure	35.	Primary	upward	and	downward	migration,	as	well	as	lateral	Secondary	migration	through	the	
reservoir	or	carrier	rock.	Taken	from	Verweij	(1993).	

The	secondary	migration	could	be	 laterally	 through	 the	 reservoir	 rock,	until	 reaching	

the	 crest	 of	 the	 asymmetric	 anticline	 in	 which	 the	 hydrocarbons	 accumulate.	 This	

lateral	secondary	migration	is	shown	in	Figure	35.	
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7.4	Water-Oil	Contact	(WOC)	
The	water	and	oil	saturation	illustrated	in	figure	36	shows	the	location	of	the	water-oil	

contact	 (WOC)	that	was	 included	 in	the	model	 (see	section	6.9).	 In	the	contact,	oil	 is	

above	water	due	to	the	fact	that	water	is	denser	than	oil.	

	
Figure	36.	Oil	saturation.	Results	3D	Software.	
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Figure	36.	Oil	saturation.	Results	3D	Software.	

In	figure	36,	the	blue	region	with	zero	oil	saturation	represents	a	saturation	value	of	1	

for	water,	while	the	oil	saturation	region	has	a	value	of	0.8.	This	 is	supported	by	the	

oil-water	 relative	 permeability	 curves	 shown	 in	 figure	 17.	 They	 show	 that	 water	

reaches	a	minimum	saturation	value	of	0.2;	therefore,	there	is	always	water	left	in	the	

reservoir,	called	 irreducible	water.	This	causes	a	reservoir	to	never	be	fully	saturated	

with	oil.		

Furthermore,	there	is	a	gradual	change	from	the	oil	to	the	water-saturated	region.	This	

gradual	change	is	the	oil-water	transition	zone	and	it	appears	as	small	colored	squares	

surrounding	or	delimiting	the	saturation	regions	in	figure	36.		

7.5	Reserves	Estimations		
Through	 the	 description	 of	 the	 reservoirs,	 volumetric	 calculations	 for	 reserve	

estimations	are	quite	important	to	develop.	The	most	significant	volumetric	calculation	

to	 consider	 is	 the	 Stock-Tank	Oil	Originally	 in	 Place	 (STOOIP)	 that	 refers	 to	 the	 total	

volume	of	oil	initially	in	the	reservoir	(prior	to	production)	(Adjei,	2010).	It	is	calculated	

by	the	following	equation	modified	from	Adjei	(2010):	

K}~~�0 =

7758 ∗ L
'
∗ ∅ ∗ (1 − K

cC
)

Ñ
iC

	
(19)	

Equation	 19	 takes	 into	 consideration	 the	 bulk	 volume	of	 the	 rock	 (L
'
),	 porosity	 (∅),	

initial	 (or	 irreducible)	 water	 saturation	 (K
cC
)	 and	 initial	 oil	 formation	 volume	 factor	

(Ñ
iC
).	
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In	order	to	calculate	this	volume,	I	ran	in	IMEX	the	geological	model	previously	made	in	

Builder.	 Consequently,	 reserves	 estimations	 for	 each	 reservoir	 were	made	 by	 IMEX,	

indicating	 that	 the	 reservoir	 containing	 the	 greatest	 STOOIP	 volume	 is	 Sandstone	 U	

unit	(Table	8).	

Table	8.	Reserves	estimations.	STB=Stock-Tank	Barrels.	

	 Stock-Tank	Oil	Originally	in	Place	(STB)	

Oil	Field	 13,049,000	

Sandstone	N	 4,450,500	

Sandstone	U	 8,598,500	

	

From	 the	 results	 in	Table	8,	 the	 reserves	 in	 this	oil	 field	 correspond	 to	3.58%	of	 the	

reserves	 in	 the	 Caguán-Putumayo	 basin.	 Additionally,	 it	 represents	 0.565%	 of	 the	

reserves	in	Colombia,	which	by	the	end	of	2015	were	2,308	MMBO	(Fantini,	2016).	

7.6	Short-Term	Prediction:	Cumulative	Production	from	2017	to	2020	
IMEX	software	is	able	to	simulate	the	behavior	of	different	fluids	within	the	reservoir	

(gas,	oil	and	water)	(CMG,	2015b).	In	that	way,	the	simulator	models	the	performance	

of	the	reservoir	during	production,	determining	the	cumulative	production	of	oil,	gas	

and	water.	(CMG,	2015b).		

The	 cumulative	 production	was	 estimated	 for	 the	 three	 fluids	 in	 the	 reservoir	 from	

2017	to	2020.	The	results	are	shown	in	the	plot	of	cumulative	production	simulated	for	

oil,	 gas	 and	water	 versus	 time	 (in	 years),	made	by	using	 the	 software	Results	Graph	

(figure	37).		
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Figure	37.	Cumulative	production	of	oil,	gas	and	water	at	Standard	Conditions.	Results	Graph	Software.	Note	that	
the	y-axis	values	for	the	Cumulative	Water	are	also	for	Cumulative	Oil.	

7.7	Uncertainty	Analysis	
To	 develop	 the	 uncertainty	 analysis,	 the	 parameters	 (input	 data)	 chosen	 were:	

porosity,	permeability,	net-to-gross	 ratio,	water-oil	 contact	and	Corey’s	exponents	of	

water	and	oil	per	reservoir	unit.	For	each	one	of	 these	parameters	a	range	of	values	

with	a	normal	distribution	is	established.	

Additionally,	objective	functions	were	defined.	The	objective	functions	are	the	output	

of	 the	 model,	 selected	 to	 study	 the	 impact	 of	 the	 variability	 of	 parameters.	 The	

objective	functions	established	were	the	cumulative	production	of	oil,	gas	and	water.		

Finally,	 CMOST	 defined	 a	 total	 of	 85	 training	 experiments	 necessary	 to	 conduct	 the	

analysis.	 Hence,	 85	 training	 experiments	 were	 conducted,	 in	 which	 the	 parameter’s	

values	were	varied	within	the	ranges	established.	These	experiments	were	compared	

to	the	original	results	of	the	objective	functions,	which	were	previously	shown	in	figure	

37	(see	appendices	A,	B	and	C).	

	 	 7.7.1	Proxy	Model:	Quality	Check	
The	Response	Surface	(RS)	method	allowed	the	creation	of	a	proxy	model,	considering	

the	 85	 training	 experiments.	 In	 each	 experiment,	 the	 proxy	 model	 gave	 a	 different	

value	 for	 the	 objective	 functions,	 due	 to	 the	 variation	 in	 parameters.	 These	 same	

variations	were	made	for	the	original	model,	mainly	to	compare	the	results	with	those	

obtained	by	the	proxy	model.	This	is	called	a	Quality	Check.	
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From	figure	38	to	40,	 it	 is	possible	to	see	the	Quality	Check	plot	of	the	simulated	vs.	

the	 proxy	 predicted	 output,	 in	 which	 the	 blue	 points	 represent	 the	 85	 training	

experiments	and	the	green	points	are	verification	experiments	 (exactly	8).	These	 last	

experiments	are	made	by	CMOST	to	test	how	similar	the	proxy	model	is	to	the	actual	

simulation	 results.	 This	 means	 that	 for	 the	 8	 verification	 experiments	 the	 software	

varies	parameters	only	for	the	original	model.		

	

	

Figure	38.	Quality	Check	plot.	Simulated	vs.	Proxy	Predicted	Cumulative	Oil.	

	

Figure	39.	Quality	Check	plot.	Simulated	vs.	Proxy	Predicted	Cumulative	Gas.	
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Figure	40.		Quality	Check	plot.	Simulated	vs.	Proxy	Predicted	Cumulative	Water.	

In	figures	38,	39	and	40	there	is	also	a	45-Degree	line	and	a	95%	Confidence	Curve.	The	

45-Degree	line	represents	a	perfect	match	for	the	proxy	model	created	and	the	actual	

simulation	(CMG,	2015a).	 If	 the	experiments	are	not	exactly	over	the	45-Degree	 line,	

the	 95%	 Confidence	 Curve	 helps	 indicating	 whether	 or	 not	 the	 proxy	 model	 is	

significant,	even	if	it	does	not	match	perfectly	the	simulated	output.	

In	 general,	 the	 proxy	model	 is	 a	 good	 approximation	 simulating	 the	 three	 objective	

functions.	 This	 is	 because	 the	 majority	 of	 the	 experiments	 are	 inside	 the	 95%	

confidence	curve	and/or	over	the	45-Degree	line.		

7.7.2	Morris	Analysis	
The	Morris	Method	 was	 developed	 to	 determine	 the	most	 influential	 inputs	 to	 the	

output.	The	results	obtained	can	be	observed	in	figures	41,	42	and	43,	for	each	of	the	

objective	functions.	

The	Morris	charts	for	the	three	objective	functions	show	that	the	parameter	with	the	

greatest	mean	and,	therefore,	the	most	influential	is	the	depth	of	the	water-oil	contact	

in	 Sandstone	 U	 unit	 (DWOC_U).	 On	 the	 other	 hand,	 the	 parameter	 that	 apparently	

does	 not	 affect	 the	 objective	 functions	 at	 all	 is	 the	 Corey’s	 exponent	 for	 water	 in	

Sandstone	N	unit	(NW_N).	

Furthermore,	since	the	standard	deviation	for	DWOC_U	is	a	non-zero	value	(relatively	

high),	 it	has	a	non-linear	(quadratic)	effect	on	the	output.	This	also	indicates	that	the	

DWOC_U	 is	affecting	the	output	by	 interacting	with	other	parameters.	 In	 fact,	 this	 is	

shown	in	appendices	D,	E	and	F,	in	which	DWOC_U	interacts	with	parameters	such	as	

porosity,	 net-to-gross	 ratio,	 Corey’s	 exponents	 of	water	 and	 oil	 in	 Sandstone	U	 unit	

and	 depth	 of	 water-oil	 contact	 in	 Sandstone	 N	 unit	 (DWOC_N).	 These	 interactions	

significantly	affect	the	objective	functions.		
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Figure	41.	Morris	Chart	for	cumulative	oil.	DWOC_N=	Depth	of	water-oil	contact	in	Sandstone	N.	DWOC_U=	Depth	
of	water-oil	contact	in	Sandstone	U.	NTG=	Net-to-gross	ratio.	PERM=	Permeability.	PORO=Porosity.	

NOW_N=Corey’s	Exponent	of	oil	for	Sandstone	N.	NOW_U=	Corey’s	Exponent	of	oil	for	Sandstone	U.	NW_N=	
Corey’s	Exponent	of	water	for	Sandstone	N.	NW_U=	Corey’s	Exponent	of	water	for	Sandstone	U.		

	

	

Figure	42.	Morris	Chart	for	cumulative	gas.	
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Figure	43.	Morris	Chart	for	cumulative	water.	

Another	 influential	 parameter	 for	 cumulative	 oil	 and	 gas	 is	 the	 net-to-gross	 ratio	

(NTG),	while	for	water	the	most	influential	parameter	after	the	DWOC_U	is	DWOC_N.	

This	 is	 absolutely	 reasonable	 since	 the	NTG	determines	 the	 fraction	of	 the	 rock	 that	

contains	 hydrocarbons	 and	 the	 water-oil	 contacts	 establish	 the	 amount	 of	 water	

present.	

7.7.3	Sobol	Analysis	
A	 Sobol	Method	was	 also	 conducted	 to	 study	 the	 contribution	 that	 the	 variance	 of	

input	data	has	on	the	variance	of	the	output	of	the	model.	The	results	are	shown	from	

figures	44	to	46	and	from	tables	9	to	11.	

The	 results	of	 the	Sobol	Method	are	undoubtedly	 consistent	with	 those	obtained	by	

using	the	Morris	Method.	The	Sobol	charts,	from	figures	44	to	46,	show	that	the	input	

variance	that	contributes	the	most	to	the	output	variance	is	the	DWOC_U.		

Also,	tables	9	to	11	show	the	percentages	of	the	main	and	interaction	effects	of	each	

parameter.	These	percentages	indicate	the	reductions	that	can	be	made	to	the	output	

variance	if	the	variance	in	the	input	is	fixed	(CMG,	2015a).	For	example,	in	the	case	of	

the	 cumulative	 oil,	 if	 the	 variance	 of	 the	 DWOC_U	 parameter	 is	 fixed	 (~zero),	 then	

83%	 of	 the	 output	 variance	 is	 reduced.	 This	 of	 course	 applies	 to	 the	 rest	 of	 the	

parameters.		
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Figure	44.	Sobol	Chart	for	cumulative	oil.	

	

	

Table	9.	Sobol	Analysis	Table.	Main	and	Interaction	effects	of	parameters	on	cumulative	oil.	

Parameter	 Main	Effects	(%)	 Interaction	Effects	(%)	
DWOC_U	 83	 0.45	

NTG	 9	 0.36	

PORO	 4.2	 0.5	

DWOC_N	 1.9	 0.021	

NOW_U	 0.57	 0.078	

NW_U	 0.17	 0.011	

PERM	 0.094	 0.044	

NOW_N	 0.002	 0.0083	

NW_N	 0.0091	 0	
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Figure	45.	Sobol	Chart	for	cumulative	gas.	

	

	

Table	10.	Sobol	Analysis	Table.	Main	and	Interaction	effects	of	parameters	on	cumulative	gas.	

Parameter	 Main	Effects	(%)	 Interaction	Effects	(%)	
DWOC_U	 86	 0.53	

NTG	 7.7	 0.34	

PORO	 4.3	 0.53	

NOW_U	 0.6	 0.04	

NW_U	 0.17	 0.075	

DWOC_N	 0.16	 0.0066	

NOW_N	 0.00027	 0.02	

NW_N	 0.0012	 0.0068	

PERM	 0.0012	 0.0068	
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Figure	46.	Sobol	Chart	for	cumulative	water.	

	

Table	11.	Sobol	Analysis	Table.	Main	and	Interaction	effects	of	parameters	on	cumulative	water.	

Parameter	 Main	Effects	(%)	 Interaction	Effects	(%)	
DWOC_U	 92	 0.079	

DWOC_N	 5.8	 0.16	

NW_U	 0.78	 0	

PORO	 0.4	 0.12	

PERM	 0.22	 0.26	

NTG	 0.03	 0.43	

NOW_U	 0.2	 0.11	

NOW_N	 0.065	 0.15	

NW_N	 0.039	 0	

	

7.7.4	Monte	Carlo	Simulation	
Considering	 the	 influence	 of	 each	 parameter	 or	 a	 combination	 of	 them	 on	 the	

objective	 functions,	 a	 Monte	 Carlo	 Simulation	 is	 made,	 varying	 the	 parameters	

randomly	with	the	known	normal	distribution.		

The	Monte	Carlo	Simulation	results	are	shown	from	figure	47	to	49,	by	a	 log	normal	

distribution	 of	 a	 probability	 density	 function	 (pdf)	 and	 a	 cumulative	 probability	 or	

distribution	function	(cdf).		

For	the	results	of	cumulative	oil	 (figure	47),	 there	 is	a	cumulative	probability	of	90%,	

for	 values	 less	 or	 equal	 to	 3.92545x10
6
	 barrels.	While	 there	 is	 a	 10%	 of	 cumulative	

probability	 for	 values	 less	 or	 equal	 to	 3.04455x10
6
	 barrels,	 which	 means	 a	 10%	 of	

cumulative	probability.	Moreover,	the	highest	probability	density	was	5.1%	for	values	
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between	 3.62x10
6
-3.65x10

6
	 barrels,	 while	 the	 lowest	 was	 0.1%	 for	 values	 less	 than	

2.38x10
6
	and	greater	than	4.22x10

6
	barrels.		

On	the	other	hand,	the	results	for	the	cumulative	gas	(figure	48)	indicate	that	there	is	

90%	cumulative	probability	 to	produce	values	 less	or	equal	 to	1.05475x10
9
	 ft

3
,	while	

there	 is	 10%	 cumulative	 probability	 for	 values	 less	 or	 equal	 to	 8.26552x10
8
	 ft

3
.	

Additionally,	 the	 highest	 probability	 density	 was	 5.2%	 for	 values	 between	 9.6x10
8
-

9.7x10
8
	ft

3
	and	0.1%	for	values	greater	than	1.5x10

9
	ft

3
	and	lower	than	6x10

8
	ft

3
.		

Finally,	 for	 the	 cumulative	water	 (figure	 49),	 there	 is	 90%	 cumulative	 probability	 for	

values	less	or	equal	to	8.759x10
5
	barrels,	while	10%	for	values	less	or	equal	to	1.85x10

5
	

barrels.	Furthermore,	 in	 this	case,	 the	highest	probability	density	 is	not	 in	 the	higher	

cumulative	probability	interval	(between	50%	and	90%).	It	actually	is	between	10%	and	

50%	 of	 the	 cumulative	 probability,	 with	 a	 value	 of	 5.7%	 for	 values	 between	 3x10
5
-

3.2x10
5
	 barrels	 and	 10%	 of	 cumulative	 probability	 for	 values	 lower	 than	 2x10

4
	 and	

greater	than	1.53x10
6
	barrels.	

	

	

Figure	47.	Monte	Carlo	Simulation	result	for	cumulative	oil.	
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Figure	48.	Monte	Carlo	Simulation	result	for	cumulative	gas.	

	

Figure	49.	Monte	Carlo	Simulation	result	for	cumulative	water.	
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8.	Discussion	&	Conclusions	
In	 this	project	a	geostatistical	 three-dimensional	model	of	an	oil	 field	 in	 the	Caguán-

Putumayo	 basin	 is	 constructed.	 The	 oil	 field	 consists	 of	 two	 petroleum	 systems,	

defined	by	Sandstone	N	and	U	geological	units	in	the	Villeta	Formation.	Moreover,	it	is	

characterized	by	rocks	such	as	shales,	sandstones	and	limestones.		

To	 develop	 the	 construction	 of	 the	 geostatistical	 model,	 the	 adjustment	 of	 model	

variograms	 is	 an	 efficient	 approximation	 of	 the	 distribution	 of	 data	 in	 space.	 In	 this	

case,	 the	 spherical	 function	 shape	 is	 determined	 to	 be	 the	 shape	 that	 best	 fits	 the	

behavior	of	the	experimental	variograms.	

Once	the	construction	of	the	model	is	completed,	the	trapping	systems	are	identified.	

The	 traps	 of	 the	 oil	 field	 are	 defined	 by	 an	 asymmetric	 anticline,	 but	 this	 does	 not	

imply	that	for	both	petroleum	systems	the	trap	can	be	classified	as	structural.	Actually,	

in	 Sandstone	 N	 petroleum	 system,	 the	 trap	 is	 a	 combination	 of	 structural	 and	

stratigraphic.	This	 is	because,	despite	 the	 fact	 that	 it	 is	described	by	 the	asymmetric	

anticline	 and	 probably	 by	 faults	 connecting	 multiple	 thin	 reservoirs,	 some	 of	 these	

reservoir	layers	pinch	out.		

Even	though	the	final	model	obtained	is	a	suitable	approximation	for	the	oil	field,	there	

are	some	limitations	during	its	construction.	One	of	the	limitations	is	the	lack	of	field	

data.	For	example,	data	such	as	permeability	per	layer	and	net-to-gross	ratio	had	to	be	

estimated	by	correlations	and	cut-off	values.	Another	limitation	is	the	confidentiality	of	

some	data	such	as	seismic	lines,	which	limits	the	description	of	the	trapping	systems,	

migration	pathways	and	the	general	structural	geology	of	the	oil	field	in	this	project.		

Furthermore,	volumetric	estimations	are	made	 indicating	 that	 the	STOOIP	 for	 the	oil	

field	 is	 13,049,000	 STB,	 which	 represents	 approximately	 3.58%	 of	 the	 estimated	

reserves	in	the	basin.	Additionally,	cumulative	production	short-term	predictions	from	

2017	to	2020	are	made	for	oil,	gas	and	water.	These	predictions	are	possible,	mainly	

because	 the	 results	 do	 not	 exceed	 the	 capacity	 of	 the	 oil	 field	 and	 of	 the	 Caguán-

Putumayo	basin	itself	but,	of	course,	the	results	carry	uncertainty.	

Since	the	predictions	for	cumulative	production	cannot	be	compared	to	any	theoretic	

values,	 their	 uncertainty	 is	 evaluated	 by	 studying	 the	 impact	 or	 influence	 of	 varying	

each	 parameter	 of	 the	 model.	 The	 parameters	 identified	 as	 the	 main	 sources	 of	

uncertainty	 to	 the	 model	 are	 water-oil	 contact	 depth	 of	 both	 petroleum	 systems,	

porosity	 and	 net-to-gross	 ratio.	 On	 the	 other	 hand,	 the	 parameters	 with	 the	 lower	

uncertainty	were	the	Corey’s	exponents	and	permeability,	meaning	that	the	methods	

used	for	their	estimation	were	considerably	effective.		

The	impact	of	parameters	on	the	model	is	described	by	a	Monte	Carlo	Simulation.	The	

results	of	 the	simulation	are	 illustrated	by	a	pdf	and	cdf,	 showing	 the	probability	 for	

specific	amounts	of	oil,	gas	and	water	to	be	produced.	In	other	words,	the	results	show	

the	variability	and	so	as	the	overall	uncertainty	of	each	output	when	parameters	are	

varied.	
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It	 is	 also	 important	 to	 classify	 uncertainty	 as	 the	 main	 limitation	 to	 construct	 the	

model.	To	deal	with	it,	it	is	recommended	for	next	studies	in	this	particular	oil	field,	to	

give	 priority	 to	 the	measurement	 and/or	 calculation	 of	 the	 parameters	 identified	 as	

the	major	carriers	of	uncertainty.		

Finally,	 it	 is	 clear	 that	 this	model	 carries	uncertainty,	 as	well	 as	 all	 reservoir	models,	

even	the	most	accurate	ones.	This	is	because	it	is	quite	difficult	to	represent	the	exact	

characteristics	 of	 the	 subsurface.	 Therefore,	 even	 if	 there	 is	 a	 reservoir	 model	

constructed	 with	 high	 quality	 data,	 it	 will	 always	 carry	 uncertainty.	 Nevertheless,	

according	 to	 the	results,	 the	geostatistical	model	created	 is	a	good	approximation	of	

the	oil	field	in	the	Caguán-Putumayo	basin,	in	terms	of	its	geological	and	petrophysical	

characteristics	and	also	its	production	performance.	Hence,	this	model	can	be	used	for	

future	studies	of	this	particular	oil	field.	
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Appendix	A:	85	general	solutions	compared	to	the	base	case,	for	the	cumulative	production	of	oil.		
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Appendix	B:	85	general	solutions	compared	to	the	base	case,	for	the	cumulative	production	of	gas.		
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Appendix	C:	85	general	solutions	compared	to	the	base	case,	for	the	cumulative	production	of	water.		
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Appendix	D:	Tornado	chart	showing	the	effects	that	each	parameter	or	a	combination	of	them	has	on	the	cumulative	production	of	oil.	
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Appendix	E:	Tornado	chart	showing	the	effects	that	each	parameter	or	a	combination	of	them	has	on	the	cumulative	production	of	gas.	
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Appendix	F:	Tornado	chart	showing	the	effects	that	each	parameter	or	a	combination	of	them	has	on	the	cumulative	production	of	water.	

	


